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Abstract

Some shale gas and oil wells undergo month-long shut-in times after multi-stage hydraulic fracturing well stimulation. Field
data indicate that in some wells, such shut-in episodes surprisingly increase the gas and oil flow rate. In this paper, we report a
numerical simulation study that supports such observations and provides a potentially viable underlying imbibition and
drainage mechanism. In the simulation, the shale reservoir is represented by a triple-porosity fracture-matrix model, where the
fracture forms a continuum of interconnected network created during the well simulation while the organic and non-organic
matrices are embedded in the fracture continuum. The effect of matrix wettability, capillary pressure, relative permeability,
and osmotic pressure, that is, chemical potential characteristics are included in the model.

The simulation results indicate that the early lower flow rates are the result of obstructed fracture network due to high water
saturation. This means that the injected fracturing fluid fills such fractures and blocks early gas or oil flow. Allowing time for
the gravity drainage and imbibition of injected fluid in the fracture-matrix network is the key to improving the hydrocarbon
flow rate during the shut-in period.

Introduction

Some shale gas and oil wells undergo month-long shut-in times after multi-stage hydraulic fracture stimulation. Field data
indicate that in some wells, such shut-in episodes surprisingly increase the gas and oil flow rate. For example, Fig. 1 shows the
effect of an extended shut-in on production of a multi-stage hydraulically fractured well in Marcellus shale (Cheng, 2012). The
well was flowed back, after hydraulic fracture stimulation, for a short period before it underwent a six-month shut-in period.
When the well was reopened after six months of shut in, gas production rate increased and water production rate decreased
significantly. The question is what caused this apparent anomaly?

Water load recovery and flowback behavior

Field experience indicates that water load recovery could be as low as 5% of the total injection volume in Haynesville shale to
as high as 50% of that in Barnett and Marcellus shales (King, 2012). Number of mechanisms could contribute to the low-
recovery, including extra-trapped water due to changing in natural fractures width that increasing during injection and
decreasing during production periods (Economides et al., 2012), water imbibition into shale matrix by capillary pressure
(Cheng, 2012).

Flow back water analyzed by Haluszczak et al. (2013) indicates that formation brine in shale basin could be higher than
150,000 ppm, Fig. 2b. As the typical fracturing fluid comprises low-salinity water, in many cases it is in the range of 1,000
ppm, significant salinity contrast would be expected. This major salinity difference could lead to substantial chemical potential
differences creating large osmotic pressure and driving filtrate from natural fractures into shale matrix block.



SPE 166098

10000

1000 ‘\ T ~ /\-—1 [
\\\ g
100 e | ; 1000

Wl
1 10 . 100 : ‘

Flow time, days Flow time, days

(a) (b)
Fig. 1 — Field production data from a well in Marcellus shale: (a) water production and (b) gas production. After six-month shut-in, gas
production increased and water production decreased substantially (Cheng, 2012).
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Fig. 2 — Water load recovery behavior: (a) Load recovery from wells in Horn River shale basin (Economides et al., 2012) and (b) Water
salinity profile during flowback and production periods from wells in Marcellus shale basin (Haluszczak et al., 2013).

In this paper, we present the results of a numerical simulation study which replicate similar flow behavior. The reason is
that water imbibition into the matrix, augmented by osmotic and capillary pressures, reduces the water saturation while
enhancing gas flow into natural fractures to the hydraulic fracture and the wellbore.

Osmotic pressure

Osmotic pressure is generated by the chemical potential difference of solutions across a membrane, which is semi-permeable
allowing water molecules but solution ions flowing through (Neuzil, 2000). Water molecules flow from low-salinity solution
to high-salinity solution, due to the difference in water activity, until it reaches equilibrium. At the equilibrium, the increase in
hydrostatic pressure (p) equals the theoretical osmotic pressure (), Fig. 3.

Initial condition Equilibrium condition
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Fig. 3 — Diagram demonstrating osmotic pressure: (a) At the initial condition and (b) At the equilibrium condition.

In subsurface environment, clay/shale formations could behave as a membrane, where their pore size approaching the
thickness of “double layer” clay surface charges (Marine and Fritz, 1981). Marine and Fritz (1981), Neuzil (2000), and Neuzil
and Provost (2009) have reported that high pressure anomalies in geological settings could be created by osmotic pressure.
Furthermore, high salinity brine in some formations could be explained by reverse osmosis (Bredehoeft et al., 1963). During
burial processes, porous rock has been continuously compressed due to the overburden weight increasing. Consequently, the
formation brine has been expelled from the formation. Only water molecules could leave as the membrane-like properties of
shale prevents salt ions to escape, thus increasing the formation salinity. High-salinity brine in prolific shale formations could
be created by the reverse osmotic process, which indicates the membrane-like properties of the shale formations.
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Osmotic pressure () is described by (Marine and Fritz, 1981):

7=(145) 2L 10 4 )
Vooay
where,
a,,a, water activity of system 7 and /7; low-salinity | and high-salinity Il, Water activity for fresh water is 1.0.
R gas constant, equal to 0.082 atm' (kg-mol'K)™
T temperature, °K
v partial molar volume, //kg-mol

The calculation of water activity for a high-salinity solution requires an iterative computation procedure (Xu et al., 2012).
Thus, we used a chemical reaction simulator (TOUGHREACT) for the calculation. Fig. 4 shows the osmotic pressure, created
by the salinity difference between formation brine and low-salinity water. The plot is consistent with the calculation by Marine
and Fritz (1981). For the typical injected water (1,000 ppm) and formation brine (150,000 ppm) system in shale reservoirs, the
osmotic pressure could be as high as 2,000 psi.
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Fig. 4 — Theoretical osmotic pressure created by the salinity difference between formation brine and low-salinity water in fractures at
different temperature.

Mathematical model for single phase flow
For single phase water system, we can include osmotic pressure (Fig. 4) to a fluid flow equation in fractured rock through
transfer function (ty,,) between fractures and matrix:

kﬂ km

T pim =T pmp =T fime = (0.006328)07’( Py pm)—(0.006328)0'7<7rf ~7,) @)
where,
ko matrix permeability, mD
pr pressure in fracture, psi
P pressure in matrix, psi
4 fluid gradient, psi/ft.
b osmotic pressure in fracture calculated from salt concentration using Fig. 4, psi
Tom osmotic pressure in matrix calculated from salt concentration using Fig. 4, psi
Tiimyp transfer function caused by pressure, 1/day
Thim. transfer function caused by osmotic pressure, 1/day

Pressure equations:

Fracture:
k R 9
v.(o.ooesszs)(M Vp ,} FG—tym =(ge,), 2L 3)
y . . f ot
Matrix:
D,
rm =(gc,), o 4

where,
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¢ total compressibility, 1/psi

krer effective fracture permeability, md
q sink/source term, 1/day

t time, day

@ porosity, fraction

7, fluid viscosity, cp

Salt concentration equations:
In this paper we assumed that salt is not absorbed on the surface of rock grain.

In fracture:
k
foeff ~
v (0-006328)[Cf P foJ+ Crd=CrimpTrimp
0 oC )
Py !
+ Cf/m,/z'z-f/m,ﬂ - GDf/m (Cf - Cm) = (C¢ct )f 7 + ¢f 7
In matrix:
op, oC,,
(Cpr)f/m,p - (Cpr)f/mﬂ + GDf/m (Cf - Cm) = (C¢Cz )m 7"' ¢m 7 (6)
where,
C; C, salt concentration in fracture and matrix, ppm
Dy diffusion coefficient between fracture and matrix, ft*/day

To examine the mathematical model, we modeled and compared our simulation to the osmotic pressure measurement for
single-phase water in a laboratory conducted by Al-Bazali (2006), for a 3-nd shale sample. Detailed input parameters are
shown in Table 1. The simulation results indicate a reasonable matching, Fig. 5. Initially, the osmotic pressure induced fluid
flow from low-salinity to high-salinity and rapidly increased the pressure difference between the shale sample and the small
chamber representing a wellbore. This pressure difference, in turn, induced fluid flow from high-salinity formation brine in the
shale matrix to low-salinity in the chamber. As a result, it increased salinity in the chamber, thus reducing the salinity contrast,
the osmotic pressure, and the pressure difference. The ratio between the final osmotic pressure and the theoretical osmotic
pressure is the membrane efficiency. In this experiment, the efficiency is less than 1%.

TABLE 1 - INPUT PARAMETERS FOR THE NUMERICAL SIMULATION MODEL
COMPARING TO LABORATORY DATA

Parameters Value
Diffusion coefficient*, ft*/d 108
Permeability , md 0.000003
Equivalent salinity in shale, ppm 100,000
Equivalent initial salinity in wellbore, ppm 10,000

* Low value due to membrane effect

T - T - T

300 3 = Laboratory data
' Simulation results

200 g

w4 =

Pressure difference between
wellbore and shale formation, psi

] 40 80

Time, hr

Fig. 5 — Comparison between experimental data (adopted from Al-Bazali, 2006) and numerical simulation results for a 3-nd shale
sample.
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Neuzil and Provost (2009) have thoroughly reviewed public experimental data and reported consistently low membrane
efficiency, lower than 1%. They have argued that the low membrane efficiency measured in laboratories is caused by thin
shale specimen whereas shale formation is much thicker. Also, these experiments have been conducted in a single-phase
system. We believe that in shale reservoirs, where the initial water saturation in shale matrix approaching the irreducible water
saturation, water flowing from shale matrix to fractures would be minimal. Thus, it allows the osmotic pressure to draw low-
salinity water into a shale matrix block.

Pore morphology in shale formations and an idealized pore network connection

Prolific shale formations are often overmature and yield high porosity in organic matter, as high as 50%, produced from
digenesis process (Passey et al., 2010). This type of pore provides storage and connection in organic material, Fig. 6a showing
the pore structure in organic matter from a high-resolution scanning-electron microscopy of ion-beam milled Barnett shale
sample. Some parts of shale formation can contain non-organic material such as silica grain, quartz, and clay, which are water-
wet rocks. These non-organic and organic rocks coexist in shale formations. Thus, we can idealize shale matrix as the
combination of organic and non-organic matrix blocks, Fig. 6b. Mathematically, we describe shale pore network as a triple-
porosity system including fractures, non-organic, and organic matrices, Fig. 7. Each matrix pore type could connect to natural
fractures, which provide high permeability flow path to hydraulic fractures and a wellbore.

Organic

(b)
Fig. 6 — Pore morphology and fluid distribution in shale formations: (a) lon-milled SEM image of a Barnett organic rich shale (Passey
et al., 2010), (b) idealized pore network cartoon and fluid content.
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Fig. 7 — Idealized pore-network connection of fractured rocks: (a) Classical dual-porosity and (b) Triple-porosity for organic-rich shale
formations

Mathematical model for gas-water in triple porosity system

For mass transfer, we use both osmotic and capillary imbibition. Matrix block is subdivided into non-organic and organic
matrices. Non-organics include water-wet silicates, quartz, clays, and calcite. We assumed gas adsorption occurs only on
organic material.

Pressure equations:
Fracture:
Gpgf

a0

V-(0.008328)k o1 | Ay Vs = (Fu o+ Aag ¥ ) VD |+ =71 gios =71 gz = (9,)
Non-organic matrix:
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ap ml
2-t,f/ml —Ttmlm2 = (¢Ct )ml Tgt (8)

Organic matrix:

apng i Ps (VFZ_¢mZ)Bg awb apng

Tt,_f/mZ +Tt,mllm2 (¢ct )m2 ot 2200 <1+bpgm2)2 ot (9)
where,
o maximum gas absorption, scf/ton
b Longmuir coefficient, 1/psi
B gas formation volume factor, cf/scf
D depth, ft
Des Demi, Dem2 S pressure in fracture, non-organic and organic matrices, psi
Pegw capillary pressure of gas-water system, psi
VF, volume fraction for organics matrix
Yo Voo gas and water gradient, psi/ft
Ago Ao A gas, water, and total mobility, 1/cp
D rock density, Ib/ft®

Tim1s Tiffm2 total transfer function between fracture and non-organic, and fracture and organic rocks, 1/day. Full equation
forms can be found in Appendix A.

Saturation equations:
Fracture:

V-(0.006328) ko [ A VPyr — A7, VD |44,

op as (10)
_ _ — gf wf
z-w,f/ml z-w,f/mZ ¢fSwf (C¢f +Cw) ot +¢f ot
Non-organic matrix:
ap ml aSwm
z-w,f/ml ~Tymlim2 = ¢m1Swml (C¢m + cw) ;[ + ¢ml Tl (11)
Organic matrix:
ap m2 aSwm
Ty, f1m2 + Ty mtim2 = ¢m2Swm2 (C¢n1 + Cw) gf + ¢mZ 72 (12)
Salt concentration equations:
Fracture:
V- (0006328) kaf,eff |:/1wfvpgf' - ﬂ“wf'}/wVD:| + Cf'qw - Cf/ml,pTw,f/ml,p
+ Cf/ml,erW',f/ml,zr - O-f/mlDf/ml (Cf - le) - Cf/mZ,pTw,f/mZ,p + Cf/mZ,ﬂTw,f/mZ,zz (13)
=S im2D pime (Cf - sz) =CrdySuy(cor +cu) = O S
Non-organic matrix:
Cf/ml,prw,//ml,p - Cf/ml,/z'Tw,flml,iz + O-f/mlD//ml (C/ - le)
- le/mZ,pTw,ml/rVIZ,p + le/mZ,zsz,mllrnZ,zr - O-ml/mZDml/rnZ (le - Cmf) (14)
OPgm A ac,,
= le¢mlSwm1 (c¢m + cw) £+ le¢ml ot L+ ¢mlSwml 71

Organic matrix:
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Crim2.pTw fim2.p = CrimaaTw fim2.z + O fim2Dsim2 (C/ —Co2 )

+ le/mZ,pTW,ml/MZ,p - anl/mZ,/rTw,mllrnZ,/r + O-ml/mZDml/mZ (le - Cmf) (15)
P gm2 oS ac
— ¢ S c +e gm +C ¢ wn12+¢ S, m2
m2¥m?2 me( gm w) ot m2¥m2 ot m2° wm?2 ot
where,
C; C,1, Cny  Salt concentration in fracture, non-organic and organic matrices, ppm

water transfer function between fracture and non-organic, and fracture and organic rocks, 1/day. Full
equation form of transfer functions can be found in Appendix A.

Twpim1s Twfim2

Numerical simulation study

A 2-D sector model was constructed to represent a section covers one bi-wing hydraulic fracture, Fig. 8. The shale reservoir is
represented by a triple-porosity fracture-matrix model, where the fracture forms a continuum of interconnected network
created during the well simulation while the organic and non-organic matrices are embedded in the fracture continuum.
Explicit orthogonal grids are assigned as a static hydraulic fracture with the dimensionless fracture conductivity of 10.
Logarithmic grid size distribution near the hydraulic fracture is used to capture flow behavior near the fracture. No fracture
propagation was modeled. Detailed reservoirs and hydraulic fracture input data can be found in Table 2 and Fig. 9.

The simulation was initialized by injecting 5,000 bbl of fracturing fluid into the model to create the post-fracturing water

saturation distribution near the hydraulic fracture. Then, the well was shut-in for various period of time to investigate the effect
of shut-in to the subsequent production.

200 ft

Relative permeability, fraction

Fig. 9 — Relative permeability and capillary pressure for water-wet rock, non-water-wet rock, and fractures: (a) relative permeability
and (b) capillary pressure.
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Fig. 8 — Model schematic: a 2-D sector model
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TABLE 2 — INPUT PARAMETERS: A 2-D SECTOR MODEL
Parameter Natural fractures (f) Non-organic rock (m1) Organic rock (m?2)
Effective permeability, md 0.01 0.0001 0.0001
Effective porosity, fraction 0.0015 0.054 0.030
Irreducible water saturation, fraction 0.05 0.40 (water-wet) 0.05
0.05 (non-water-wet)
Capillary pressure at irreducible 1.0 1000.0 (water-wet) 10.0
water saturation, psi 1.0 (non-water-wet)
Volume fraction, fraction - 0.9 0.1
Shape factor, 1/ft* 0.30 (f-m1) 0.10 (m1-m2) 0.03 (f-m2)
Salt diffusion coefficient, ft/day 10 (f-m1) 10 (m1-m2) 10 (f-m2)
Formation brine salinity, ppm 150,000 150,000 150,000
Gas absorption coefficient
Maximum gas absorption, scf/ton n/a n/a 2000*
Longmuir coefficient, 1/psi 0.00044

* Higher than a typical value because it only applies to the organic rock volume while the typical value is the weighted
average absorption value for whole rocks including non-organic rock.

TABLE 3 — NUMERICAL SIMULATION CASES
Simulation Pore fabric connection Osmotic Non-organic rock
cases pressure type
f-m1 f-m2 ml-m2

(a) WW+OSP \ \ \ Water-wet rock
(b) NW+OSP v \ v Non-water-wet rock
(c) WW+NOOSP \ \ \ Water-wet rock
(d) NW+NOOSP N v R Non-water-wet rock

To investigate the role of matrix wettability, capillary pressure, relative permeability characteristics, and osmotic pressure,
four simulation cases were run. Each case represents different combination of rock matrix wettability including water-wet and
non-water-wet rock, and the presence of osmotic pressure. The summary of simulation cases is shown in Table 3. Different
shut-in periods including 0, 7, 15, and 30 days shut-in period, were included in the simulation cases.

Simulation results

Fig. 10 shows the comparison between capillary-induced and osmotic-induced fluid flux from fracture to matrix at 60 ft away
from hydraulic fracture plane, from the simulation case (a). Positive value indicates flux from the fractures to shale matrix
block. The flux term induced by osmotic pressure is four times higher than that of capillary pressure because significant salt
concentration difference between fracturing fluid and formation brine.

600 :
500 - -, — Capillary term ||

1 — - - Osmotic term
400 ! 4

300 v b
200 ! b
100 N b
0 L C— = —_ i

00—
10 10 10 10° 10"
Time, days
Fig. 10 —Comparison of flux terms from fractures to matrix at 60 ft away from fracture face: In this plot, positive value indicates fluid
flow from fracture to matrix.

Fracture-matrix flux,cf/d
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The effect of shut-in period on gas production rate for each simulation case is shown in Fig. 11. The simulation results
from Case (a), (b), and (c) show significant early gas rate improvement after shut-in periods. The main reason for the
improvement is because of mass transfer of filtrate into the matrix by gravity, capillary and/or osmotic mass transfer during the
shut-in period. Initially, the natural fractures which are main flow path between shale matrix to the hydraulic fracture and the
wellbore are fully saturated with fracturing fluid, blocking the flow path. The shut-in periods allow matrix to imbibe the filtrate
and clean up the fluid flow path inside the fractures, thus allow higher gas production rate. On the other hand, the simulation
results for Case (d) indicate minimal gas rate improvement because there is no driven force for imbibition as the rock is non-
water-wet rock and no osmotic pressure is taking into account. Nevertheless, the early rate improvement does not last very
long. After a couple of months, the gas production rate converges to a stabilized rate. The long term gas recovery in all
simulation cases are no affected by the early gas rate improvement, (Fig. 12).

Fig. 13 shows water load recovery from various shut-in periods. Again, Case (a), (b), and (c) indicate less water load
recovery after shut-in period from reducing from ~20% to ~10% because some of the filtrate is imbibed into shale matrix.
Furthermore, Fig. 14 shows salinity profile during production. Initially, the salinity is low as most of the produced water
comes from fracturing fluid. Later, formation brine from inside the shale matrix start to produce when the pressure difference
between the fractures and matrix overcomes the capillary pressure.
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Fig. 11 —Simulation results, gas production rate after long shut-in period for: (a) case WW-OSP: Water-wet rock with osmotic pressure
effect, (b) case NW-OSP:Non-water-wet rock with osmotic pressure effect, (c) case WW-NOOSP: Water-wet rock without osmotic
pressure effect, (b) case NW-NOOSP:Non-water-wet rock with osmotic pressure effect
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Fig. 12 — Simulation results, gas cumulative production for: (a) case WW-OSP: Water-wet rock with osmotic pressure effect, (b) case
NW-OSP:Non-water-wet rock with osmotic pressure effect, (c) case WW-NOOSP: Water-wet rock without osmotic pressure effect, (b)
case NW-NOOSP:Non-water-wet rock with osmotic pressure effect
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Fig. 13 — Simulation results, cumulative water production for: (a) case WW-OSP: Water-wet rock with osmotic pressure effect, (b) case
NW-OSP:Non-water-wet rock with osmotic pressure effect, (c) case WW-NOOSP: Water-wet rock without osmotic pressure effect, (b)
case NW-NOOSP:Non-water-wet rock with osmotic pressure effect
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Fig. 14 — Simulation results, cumulative water production for: (a) case WW-OSP: Water-wet rock with osmotic pressure effect, (b)
case NW-OSP:Non-water-wet rock with osmotic pressure effect, (c) case WW-NOOSP: Water-wet rock without osmotic pressure

effect, (b) case NW-NOOSP:Non-water-wet rock with osmotic pressure effect
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Conclusions

In this paper, we report the development of a mathematical model to include gravity, capillary, and osmotic pressure effects
in a triple-porosity system for organic-rich shale formations. The osmotic pressure model is based on experimental data. We
also conducted the numerical experiments to investigate the effect of the post-fracturing long shut-in periods on the initial gas
production rate and fracturing fluid recovery. The following conclusion can be drawn from the simulation results:

1. We have been able to simulate the effect of shut-in of newly created hydraulic fractures on increased production
of gas in organic-rich shale reservoirs. The results are similar with field data reported in literature.

2. The reason for the increase in gas production is because of mass transfer of filtrate into the matrix by gravity,
capillary and/or osmotic mass transfer during the shut-in period, which reduces the liquid saturation in natural
fractures and allows gas to flow at higher rates from the fractures.

3. The rate increase is not a lasting effect and depends on the nature of pore connectivity.
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Nomenclature

SN R *\bwﬁ“ S}
§ ~

reek letter

NS 3NN SRRSO

water activity of system 7, dimensionless

compressibility, 1/psi
salt concentration, ppm
depth, ft

diffusion coefficient between fracture and matrix, ftzlday

permeability, md
pressure, psi
sink/source term, 1/day

gas constant, equal to 0.082 atm' (mol'K)™*
time, day

temperature, K

partial molar volume, I/mol

porosity, fraction

fluid gradient, psi/ft
mobility, 1/cp
viscosity, cp

osmotic pressure, psi
transfer function, 1/day

effective

fracture

between fracture and non-organic matrix
between fracture and organic matrix

gas phase

between non-organic and organic matrices
non-organic and organic matrices
pressure term

total phase

water phase

osmotic pressure term
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Appendix A — Transfer functions

Fracture (f) — non-organic matrix (m1) connection:

T fiml = T, fimlp ~ Fw,fimiz T Tg, fimlp (A-1)

Tw.flmlp = (0'006328) O f1mrkm Ao ima |:(pg/' - pgml) - (chwf - pcgwml) + % Vw (hwf =Py )} (A-2)

Te flmip = (0-006328) O rimkmAgrim l:(ng - pgml)_ (:’;/";1 Ve (hwf - hwml)} (A-3)

Ty pimie = (0.006328) 01,1k Aoy 11 By (77 = 7,1 (A-4)
Fracture (f) — organic matrix (m2) connection:

Tifim2 = Cw fim2.p ~ Tw.fim2x ¥ Tg, fIm2,p (A-5)

Ty flm2,p = (0006328) O-f/mkalw/'ImZ |:(pgf ~ Pgm2 ) - (pcgw/‘ = Pegwm? ) + M}/w (hw/‘ - hwm2 ):| (A-6)

O fim2
Ty fimap = (0.006328)0'f,m2km/1gf/m2 {(ng ~ Pgm?2 ) — 2/1;/,22 Ve (hwf —Hyyo )} (A-7)
m
Ty fim2e =(0.006328) 0 11,1k Ao Eogy (7 = 7,2 (A-8)
Non-organic matrix (m1) — organic matrix (m2) connection:
Temlm2 = Cwmlim2,p ~ Twamtim2,z ¥ Tgmlim2,p (A-9)

Ozmlm
z-W,mZI./mZ,p = (0006328) Gml/mkalwml/mZ |:(pgml - png ) - (pcgwml - pcgme ) + i 7w (hwml - hme ):| (A_lo)

O mtim?2
Oz mlim
Tg,ml/mZ,p = (0006328) O-ml/mkaﬂgmllmZ |:(pgml - pgm2 ) - U' Ym2 }’g (hwml - hwm2 )i| (A-ll)
ml/m2
Tw,ml/mZ,lr = (0'006328)O-ml/mka;twmllnzZEosp (”ml - ”mZ) (A-12)



