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a b s t r a c t

Some shale gas and oil wells undergo month-long shut-in times after multi-stage hydraulic fracturing
well stimulation. Field data indicate that in some wells, such shut-in episodes surprisingly increase the
gas and oil flow rate. In this paper, we report a numerical simulation study that supports such obser-
vations and provides a potentially viable underlying imbibition and drainage mechanism. In the simu-
lation, the shale reservoir is represented by a triple-porosity fracture-matrix model, where the fracture
forms a continuum of interconnected network created during the well stimulation while the organic and
inorganic matrices are embedded in the fracture continuum. The effect of matrix wettability, capillary
pressure, relative permeability, and osmotic pressure, that is, chemical potential characteristics are
included in the model.

The simulation results indicate that the early lower flow rates are the result of obstructed fracture
network due to high water saturation. This means that the injected fracturing fluid fills such fractures
and blocks early gas or oil flow. Allowing time for the gravity drainage and imbibition of injected fluid in
the fracture-matrix network is the key to improving the hydrocarbon flow rate during the shut-in period.

© 2016 Elsevier B.V. All rights reserved.
1. Introduction

Some shale gas and oil wells undergo month-long shut-in times
after multi-stage hydraulic fracture stimulation. Field data indicate
that in some wells, such shut-in episodes surprisingly increase the
gas and oil flow rate. For example, Fig. 1 shows the effect of an
extended shut-in on production of a multi-stage hydraulically
fractured well in Marcellus shale (Cheng, 2012). The well was
flowed back, after hydraulic fracture stimulation, for a short period
before it underwent a six-month shut-in period.When thewell was
reopened after six months of shut in, gas production rate increased
and water production rate decreased significantly. The question is
what caused this apparent anomaly?

1.1. Water load recovery and flowback behavior

Field experience indicates that water load recovery could be as
low as 5% of the total injection volume in Haynesville shale to as
kcharoenphol).
high as 50% of that in Barnett and Marcellus shales (King, 2012).
Number of mechanisms could contribute to the low-recovery,
including extra-trapped water due to changing in natural frac-
tures width that increasing during injection and decreasing during
production periods (Economides et al., 2012), water imbibition into
shale matrix by capillary pressure (Cheng, 2012).

Flow back water analyzed by Haluszczak et al. (2013) indicates
that formation brine in shale basin could be higher than
150,000 ppm, Fig. 2b. As the typical fracturing fluid comprises low-
salinity water, in many cases it is in the range of 1000 ppm, sig-
nificant salinity contrast would be expected. This major salinity
difference could lead to substantial chemical potential differences
creating large osmotic pressure and driving filtrate from natural
fractures into shale matrix block.

In this paper, we present the results of a numerical simulation
study which replicate similar flow behavior. The reason is that
water imbibition into the matrix, augmented by osmotic and
capillary pressures, reduces the water saturation while enhancing
gas flow into natural fractures to the hydraulic fracture and the
wellbore.
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Fig. 1. Field production data from a well in Marcellus shale: (a) water production and (b) gas production. After six-month shut-in, gas production increased and water production
decreased substantially (Cheng, 2012).

Fig. 2. Water load recovery behavior: (a) Load recovery fromwells in Horn River shale basin (Economides et al., 2012) and (b) Water salinity profile during flowback and production
periods from wells in Marcellus shale basin (Haluszczak et al., 2013).
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2. Osmotic pressure

Osmotic pressure is generated by the water concentration
gradient across a membrane, which is semi-permeable allowing
water molecules but not solution ions flowing through (Neuzil,
2000). Water molecules flow from high-water concentration
(low-salinity) to low-water concentration (high-salinity) solutions
due to the water concentration gradient until it reaches equilib-
rium. At the equilibrium, the increase in hydrostatic pressure (p)
equals the theoretical osmotic pressure (p), Fig. 3.

In subsurface environment, clay/shale formations could behave
as a membrane, where their pore size approaching the thickness of
“double layer” clay surface charges (Marine and Fritz, 1981). Marine
and Fritz (1981), Neuzil (2000), and Neuzil and Provost (2009) have
reported that high pressure anomalies in geological settings could
be created by osmotic pressure. Furthermore, high salinity brine in
some formations could be explained by reverse osmosis
(Bredehoeft et al., 1963). During burial processes, porous rock has
been continuously compressed due to the overburden weight
increasing. Consequently, the formation brine has been expelled
from the formation. Only water molecules could leave as the
membrane-like properties of shale prevents salt ions to escape,
thus increasing the formation salinity. High-salinity brine in prolific
shale formations could be created by the reverse osmotic process,
which indicates the membrane-like properties of the shale
formations.

Osmotic pressure (p), in atm, is described by (Marine and Fritz,
1981):

p ¼ RT
V

ln
aI
aII

(1)

where,

aI , aII water activity of system I and II; low-salinity I and high-
salinity II, Water activity for fresh water is 1.0.
R gas constant, equal to 0.082 atm. (g-mol K)�1

T temperature, �K
V molar volume, liter/g-mol

Water activity can be calculated from the Helgeson-Kirkham-
Flowers (HKF) equation of state (Helgeson et al., 1981). The



Fig. 3. Diagram demonstrating osmotic pressure: (a) At the initial condition and (b) At the equilibrium condition.
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calculation of water activity for a high-salinity solution requires an
iterative computation procedure (Xu et al., 2012). Thus, we used a
chemical reaction simulator (TOUGHREACT) for the calculation.
Fig. 4 shows the osmotic pressure, created by the salinity difference
between formation brine and low-salinity water. The plot is
consistent with the calculation by Marine and Fritz (1981). For the
typical injected water (1000 ppm) and formation brine
(150,000 ppm) system in shale reservoirs, the osmotic pressure
could be as high as 2000 psi.
3. Mathematical model for single phase flow

For single phase water system, we can include osmotic pressure
(Fig. 4) to a fluid flow equation in fractured rock through transfer
function (tf/m) between fractures and matrix:
Fig. 4. Theoretical osmotic pressure created by the salinity difference between for-
mation brine and low-salinity water in fractures at different temperature.
tf =m ¼ tpf =m þ tpf =m

¼ s
km
m

�
pf � pm

�
� sEop

km
m

�
pf

�
Cf
�
� pmðCmÞ

�
(2)

where,

Cf salinity in fracture, ppm
Cm salinity in matrix, ppm
km matrix permeability, mD
pf pressure in fracture, psi
pm pressure in matrix, psi
g fluid gradient, psi/ft
pf osmotic pressure in fracture calculated from salt concentration
using Fig. 4, psi

pm osmotic pressure in matrix calculated from salt concentration
using Fig. 4, psi

s shape factor, 1/ft2

tpf =m transfer function caused by pressure, 1/day
tpf =m transfer function caused by osmotic pressure, 1/day
Eop osmotic pressure efficiency, dimensionless
3.1. Pressure equations

Fracture:

V$

�
kf ;eff
m

Vpf

�
þ bq � tf=m ¼ ðfctÞf

vpf
vt

(3)

Matrix:

tf =m ¼ ðfctÞm
vpm
vt

(4)

where,

ct total compressibility, 1/psi
kf,eff effective fracture permeability, mdbq sink/source term, 1/day
t time, day
f porosity, fraction
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m fluid viscosity, cp
3.2. Salt concentration equations

In this paper we assumed that salt is not absorbed on the surface
of rock grain.

In fracture:

V$

�
Cf
kf ;eff
m

Vpf

�
þ Cf bq þ Cp

f=mt
p
f =m þ Cp

f =mt
p
f=m

� sDf=m

�
Cf � Cm

�
¼ ðCfctÞf

vpf
vt

þ ff
vCf
vt

(5)

In matrix:

ðCrtÞpf =m þ ðCrtÞpf =m þ sDf =m

�
Cf � Cm

�
¼ ðCfctÞm

vpm
vt

þ fm
vCm
vt
(6)

where,

Cf, Cm salt concentration in fracture and matrix, M/M
Df/m diffusion coefficient between fracture and matrix, L2/T
s shape factor, 1/L2

4. Modeling a published osmotic pressure experiment

We matched the results of a chemical osmosis experiment
conducted by Takeda et al. (2012) on a siliceous shale sample. The
sample, cut from a core taken at depth of 982m, is 5 cm in diameter
and 1 cm in thickness. Two reservoirs, filled with sodium chloride
solution, were connected to the top and bottom of the sample. The
top reservoir contained 0.1 mol/liter salt solution while the bottom
reservoir contained 0.55 mol/liter solution. During the experiment,
pressure and salt concentration were measured, which we used for
matching with our numerical model. Takeda et al. (2012) report the
experimental details.

To simulate the experimental results, we created a 1-D model
with seven simulation grids. The first and the last grids represented
the bottom and top reservoirs while the shale sample was repre-
sented by five simulation girds. Detailed input parameters are
shown in Table 1.

The simulation results indicate a good match, Fig. 5. Initially, the
pressure in the bottom reservoir sharply increases due to osmotic-
induced flow from low-salt concentration to high-salt concentra-
tion. As a result, pressure-induced flow takes place. The counter-
current flow and diffusion processes decrease salt concentration
le 1
ut parameters for the single-phase flow model.

Bottom reservoir

ock properties

olume, ft3 7.417 � 10�3

nitial pressure, psi 42.5
nitial concentration, mol/liter 0.55
orosity, fraction
ermeability, mD
nterface area, ft2 0.021
ength, ft
ffective diffusion coefficient, ft2/day
iscretization 1 � 1 � 1
atching parameters
smotic efficiency, fraction

Takeda et al. (2012).
Rahman et al. (2005).
in the bottom reservoir. In turn, osmotic pressure and pressure in
the bottom reservoir decreases. To achieve the matching, the os-
motic efficiency of 5% was used.
5. Pore morphology in shale formations and an idealized
pore network connection

Prolific shale formations are often overmature and yield high
porosity in organic matter, as high as 50%, produced from digenesis
process (Passey et al., 2010). This type of pore provides storage and
connection in organic material, Fig. 6a showing the pore structure
in organic matter from a high-resolution scanning-electron mi-
croscopy of ion-beam milled Barnett shale sample. Some parts of
shale formation can contain inorganic material such as silica grain,
quartz, and clay, which are water-wet rocks. These inorganic and
organic rocks coexist in shale formations. Thus, we can idealize
shale matrix as the combination of organic and inorganic matrix
blocks, Fig. 6b. Mathematically, we describe shale pore network as a
triple-porosity system including fractures, inorganic, and organic
matrices, Fig. 7. Each matrix pore type could connect to natural
fractures, which provide high permeability flow path to hydraulic
fractures and a wellbore.
6. Mathematical model for gas-water in triple porosity
system

For mass transfer, we use both osmotic and capillary imbibition.
Matrix block is subdivided into inorganic and organic matrices.
Inorganics includewater-wet silicates, quartz, clays, and calcite. We
assumed gas adsorption occurs only on organic material.
6.1. Pressure equations

Fracture:

V$kf ;eff
h
ltfVpgf �

�
lwfgw þ lgfgg

�
VD

i
þ bqt � tt;f =m1 � tt;f =m2

¼ ðfctÞf
vpgf
vt

(7)

Inorganic matrix:

tt;f =m1 � tt;m1=m2 ¼ ðfctÞm1
vpgm1

vt
(8)

Organic matrix:
Rock Top reservoirs

6.923 � 10�3 3.532 � 10�3

42.5 42.5
0.1 0.1
0.28
1.54 � 10�4a

0.021 0.021
0.032
2.487 � 10�5b

5 � 1 � 1 1 � 1 � 1

0.05



Fig. 5. Comparison between experimental data (adopted from Takeda et al., 2012) and simulation results: (a) the pressure profiles in top and bottom reservoirs and (b) the NaCl
concentration in top and bottom reservoirs.
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tt;f =m2 þ tt;m1=m2 ¼ ðfctÞm2
vpgm2

vt

þ

0B@rsðVF2 � fm2ÞBg
2200

a∞b�
1þ bpgm2

�2
1CA vpgm2

vt

(9)

where,

a∞ maximum gas absorption, scf/ton
b Longmuir coefficient, 1/psi
Bg gas formation volume factor, cf/scf
D depth, ft
pgf, pgm1, pgm2 gas pressure in fracture, inorganic and organic
matrices, psi
VF2 volume fraction for organics matrix
gg,gw gas and water gradient, psi/ft
lg,lw,lt gas, water, and total mobility, 1/cp
Fig. 6. Pore morphology and fluid distribution in shale formations: (a) Ion-milled SEM imag
and fluid content.
rs rock density, lb/ft3

ttf/m1,ttf/m2 total transfer function between fracture and iorganic,
and fracture and organic rocks, 1/day, defined as follow:

Fracture (f) e inorganic matrix (m1) connection:

tt;f =m1 ¼ tpw;f =m1 þ tpw;f =m1 þ tg;f =m1 (10)

tpw;f=m1 ¼ sf =m1kmlwf =m1

"�
pgf � pgm1

�
�
�
pcgwf � pcgwm1

�
þ sz;f =m1

sf =m1
gw

�
hwf � hwm1

�#
e of a Barnett organic rich shale (Passey et al., 2010), (b) idealized pore network cartoon



Fig. 7. Idealized pore-network connection of fractured rocks: (a) Classical dual-porosity and (b) Triple-porosity for organic-rich shale formations.
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tg;f =m1 ¼ sf=m1kmlgf =m1

"�
pgf � pgm1

�
� sz;f =m1

sf =m1
gg

�
hwf � hwm1

�
�
#

tpw;f =m1 ¼ �sf =m1kmlwf =m1Eop
�
pf

�
Cf
�
� pm1ðCm1Þ

�
Fracture (f) e organic matrix (m2) connection:

tt;f =m2 ¼ tpw;f =m2 þ tpw;f =m2 þ tg;f =m2 (11)

tpw;f =m2 ¼ sf =m2kmlwf =m2

"�
pgf � pgm2

�
�
�
pcgwf � pcgwm2

�
þ sz;f =m2

sf =m2
gw

�
hwf � hwm2

�#

tg;f =m2 ¼ sf=m2kmlgf =m2

"�
pgf � pgm2

�
� sz;f =m2

sf =m2
gg

�
hwf � hwm2

�
�
#

tpw;f =m2 ¼ �sf =m2kmlwf =m2Eop
�
pf

�
Cf
�
� pm2ðCm2Þ

�
Inorganic matrix (m1) e organic matrix (m2) connection:

tt;m1=m2 ¼ tpw;m1=m2 þ tpw;m1=m2 þ tg;m1=m2 (12)

tpw;m1=m2 ¼ sm1=m2kmlw;m1=m2

"�
pgm1 � pgm2

�
�
�
pcgwm1

� pcgwm2

�
þ sz;m1=m2

sm1=m2
gwðhwm1 � hwm2Þ

#

tg;m1=m2 ¼ sm1=m2kmlg;m1=m2

"�
pgm1 � pgm2

�
� sz;m1=m2

sm1=m2
ggðhwm1 � hwm2Þ

#

tpw;m1=m2 ¼ �sm1=m2kmlw;m1=m2Eopðpm1ðCm1Þ � pm2ðCm2ÞÞ
where,
tp; tp transfer function induced by pressure and osmotic pres-
sure, 1/day
sm1=m2; sz;m1=m2 shape factor between inorganic matrix (m1)
and organic matrix (m2) and shape factor in the vertical direc-
tion only, 1/day
hwm1;hwm2 equivalent water column height in inorganic and
organic matrices, ft
Eop osmotic pressure efficiency, dimensionless
6.2. Saturation equations

Fracture:

V$kf ;eff
h
lwfVpgf � lwfgwVD

i
þ bqw � tw;f =m1 � tw;f =m2

¼ ff Swf

�
cff þ cw

� vpgf
vt

þ ff
vSwf

vt
(13)

Inorganic matrix:

tw;f =m1 � tw;m1=m2 ¼ fm1Swm1
�
cfm þ cw

� vpgm1

vt
þ fm1

vSwm1

vt
(14)

Organic matrix:

tw;f =m2 þ tw;m1=m2 ¼ fm2Swm2
�
cfm þ cw

� vpgm2

vt
þ fm2

vSwm2

vt
(15)
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6.3. Salt concentration equations

Fracture:

V$Cf kf ;eff
h
lwfVpgf � lwfgwVD

i
þ Cf bqw � Cf =m1;ptw;f =m1;p

þ Cf =m1;ptw;f =m1;p � sf =m1Df =m1

�
Cf � Cm1

�
� Cf =m2;ptw;f =m2;p

þ Cf =m2;ptw;f =m2;p � sf =m2Df =m2

�
Cf � Cm2

�
¼ Cfff Swf

�
cff þ cw

� vpgf
vt

þ Cfff
vSwf

vt
þ ff Swf

vCf
vt

(16)

Inorganic matrix:

Cf =m1;ptw;f =m1;p � Cf =m1;ptw;f =m1;p þ sf=m1Df =m1

�
Cf � Cm1

�
� Cm1=m2;ptw;m1=m2;p þ Cm1=m2;ptw;m1=m2;p

� sm1=m2Dm1=m2

�
Cm1 � Cmf

�
¼ Cm1fm1Swm1

�
cfm þ cw

� vpgm1

vt
þ Cm1fm1

vSwm1

vt

þ fm1Swm1
vCm1

vt
(17)

Organic matrix:

Cf =m2;ptw;f =m2;p � Cf =m2;ptw;f =m2;p þ sf=m2Df =m2

�
Cf � Cm2

�
þ Cm1=m2;ptw;m1=m2;p � Cm1=m2;ptw;m1=m2;p

þ sm1=m2Dm1=m2

�
Cm1 � Cmf

�
¼ Cm2fm2Swm2

�
cfm þ cw

� vpgm2

vt
þ Cm2fm2

vSwm2

vt

þ fm2Swm2
vCm2

vt
(18)

where,

Cf, Cm1, Cm2 Salt concentration in fracture, inorganic and organic
matrices, ppm
twf/m1,twf/m2 water transfer function between fracture and
inorganic, and fracture and organic rocks, 1/day, defined in Eqs.
(10)e(12)

7. Numerical simulation study

A 2-D sector model was constructed to represent a section
Fig. 8. Model schematic:
covers one bi-wing hydraulic fracture, Fig. 8. The shale reservoir is
represented by a triple-porosity fracture-matrix model, where the
fracture forms a continuum of interconnected network created
during the well simulation while the organic and inorganic
matrices are embedded in the fracture continuum. Explicit
orthogonal grids are assigned as a static hydraulic fracture with the
dimensionless fracture conductivity of 10. Logarithmic grid size
distribution near the hydraulic fracture is used to capture flow
behavior near the fracture. No fracture propagation was modeled.
Detailed reservoirs and hydraulic fracture input data can be found
in Table 2 and Fig. 9.
7.1. Model initialization

The simulation was initialized by injecting 5000 bbl of frac-
turing fluid, which has salinity of 1000 ppm into the model to
create the post-fracturing water saturation and salinity distribu-
tions near the hydraulic fracture. The water saturation and salinity
profiles in the fracture network after the injection is shown in
Fig. 10.
7.2. Simulation cases

The simulation cases were designed to evaluate the impact of
various contributing mechanisms during shut-in and production
periods. These mechanisms include the effects of rock wettability,
gravity, capillarity, osmoticity, and capillary end. Table 3 presents
the simulation cases. Every case was run with 0-day, 7-day, 15-day,
and 30-day shut-in periods.
7.2.1. Case 1: Wettability effect
Mineral composition of shale can vary significantly even within

the same basin. For example, Barnett shale can have quartz (water-
wet) dominant rock composition in one area and carbonate (oil-
wet) dominant rock composition in another area, Passey et al.
(2010). As a result, rock wettability also varies. This numerical
experiment was conducted to investigate the impact of rock
wettability in inorganic portion of shale rocks. Water-wet, mixed-
wet, and oil-wet rocks were included. The wettability variationwas
modeled by using different sets of capillary and relative perme-
ability. As there is no credible capillary and relative permeability for
shale formations available, synthetic data was used (Fig. 9).
7.2.2. Case 2: Gravity, capillarity, and osmoticity effects
This numerical experiment was conducted to investigate the

contribution of gravity, capillary, and osmoticity on the filtrate
imbibition to shale matrix. The simulation was conducted by turn
on each mechanism for its simulation run.
a 2-D sector model.



Table 2
Input parameters for base case run.

Parameter Natural fractures (f) Inorganic rock (m1) Organic rock (m2)

Effective permeability, md 0.01 0.0001 0.0001
Effective porosity, fraction 0.002 0.054 0.030
Irreducible water saturation, fraction 0.05 0.40 (water-wet)

0.35 (mixed-wet)
0.25 (oil-wet)

0.25 (oil-wet)

Capillary pressure at irreducible water saturation, psi 1.0 1000.0 (water-wet)
200.0 (mixed-wet)
10.0 (oil-wet)

10.0

Volume fraction, fraction e 0.9 0.1
Shape factor, 1/ft2 0.30 (f�m1) 0.10 (m1�m2) 0.03 (f�m2)
Salt diffusion coefficient, ft2/day 10�8 (f�m1) 10�8 (m1�m2) 10�8 (f�m2)
Formation brine salinity, ppm 150,000 150,000 150,000
Osmotic pressure coefficient 0.1 0.1
Gas absorption coefficient
Maximum gas absorption, scf/ton

n/a n/a 2000a

Longmuir coefficient, 1/psi 0.00044

a Higher than a typical value because it only applies to the organic rock volume while the typical value is the weighted average absorption value for whole rocks including
inorganic rock.

Fig. 9. eRock properties: (a) relative permeability and (b) capillary pressure.
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7.2.3. Case 3: Osmotic efficiency effect
The significant salinity contrast between the fracturing filtrate

fluid in fractures and formation brine in shale matrix can induce
large osmotic pressure. Ideal osmotic pressure can be calculated
from chemical potential of the salinity contrast, discussed in the
previous section. However, osmotic efficiency depends on rock
properties which can vary from one shale basin to another. As
experimental data for the efficiency in multi-phase system is not
available, this casewas designed to theoretical investigate the effect
Fig. 10. The condition after 5000 bbl of fracturing fluid is injected
of the efficiency. Three simulation cases with the efficiency of 1\%,
10\%, and 100\% were run.
7.3. Simulation results

This section presents the simulation results. The simulation re-
sults of the study for effects of well shut-in on shale gas production
are discussed as follows:
into the model: (a) water saturation and (b) salinity profiles.



Table 3
eSimulation cases.

Case Description Feature Remark

1.1 Water-wet No osmotic effect
1.2 Wettability effects Mixed-wet No osmotic effect
1.3 Oil-wet No osmotic effect

2.1 No gravity, capillary and osmotic effects
2.2 Gravity effect No capillary and osmotic effects
2.3 Gravity, Capillary, and osmotic effects Capillary effect No gravity and osmotic effects
2.4 Osmotic effect No gravity and capillary effects
2.5 Combined effect e

3.1 Osmotic efficiency effects Efficiency ¼ 100%
3.2 Efficiency ¼ 10%
3.3 Efficiency ¼ 1%

Fig. 11. Water saturation profiles in fractures for: Water-wet rocks after (a) 0-day shut-in, (b) 7-day shut-in, (c) 15-day shut-in, and (d) 30-day shut-in, mixed-wet rocks after (e) 0-
day shut-in, (f) 7-day shut-in, (g) 15-day shut-in, and (h) 30-day shut-in, and oil-wet rocks after (j) 0-day shut-in, (k) 7-day shut-in, (l) 15-day shut-in, and (m) 30-day shut-in. For
water-wet rocks, high-capillary pressure helps imbibe the filtrate, which rapidly reduces the water saturation inside the fractures. Mixed-wet rocks have intermediate capillary
pressure, which helps imbibe the filtrate with slower rate than that of the water-wet rocks. Finally, oil-wet rocks do not imbibe the filtrate, thus staying inside the fractures.

Fig. 12. Gas production profiles for the base case (Case 2.4) with 0-day shut-in, 7-day shut-in, 15 shut-in, and 30-day shut-in: (a) gas production rate and (b) cumulative gas
production.
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Fig. 14. Salinity of produced water for the base case (Case 2.4) with 0-day shut-in, 7-
day shut-in, 15 shut-in, and 30-day shut-in.
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7.3.1. Water saturation during shut-in period
The water saturation profiles in the fracture network during the

well shut-in after the hydraulic fracturing treatment for water-wet
(Case 1.1), mixed-wet (Case 1.2), and oil-wet (Case 1.3) rocks are
shown in Fig. 11. At the beginning, the fracturing fluid filtrate oc-
cupies majority of the pore space inside the fractures. The shut-in
period allows the combination of gravity and capillarity to imbibe
the filtrate. Water-wet rock exhibits strong capillarity, which helps
imbibe the filtrate while mixed-wet rock has intermediate capillary
pressure that slowly imbibes the filtrate. The longer the shut-in
period the more the filtrate is imbibed into the shale matrix. As a
result, the water saturation in the fractures decreases with shut-in
time. However, oil-wet rock which has minimal capillary force can
barely imbibe the filtrate. Thus, most of the filtrate is still inside the
fractures.

7.3.2. Gas production
The effects of long shut-in period on gas flow rate and cumu-

lative production for the base case run are shown in Fig. 12. As
discussed in the previous section, shut-in period allows the shale
matrix adjacent to the fractures to imbibe the filtrate, which re-
duces the water saturation inside the fracture. As a result, once the
well is put on production, the gas flow rate increases. The effects do
not last very long. The rate decreases to a stabilized rate within
about a month; and the well shut-in does not affect the cumulative
gas production. Further investigation on long term gas production
is required to include long term impairment during water imbibi-
tion process e.g. relative permeability hysteresis, shale swelling,
which is not included in this study.

7.3.3. Water production
Unlike gas production, water flow rate decreases when the well

is shut-in for long period, Fig. 13. This is because the longer the
shut-in, the more the fracturing fluid filtrate is imbibed into shale
matrix. Thus, the production rate and cumulative water production
are decreased. In the base case with mixed-wet inorganic matrix, a
month shut-in time reduces the load water recovery from ~50% to
~20% of the total injection volume.

7.3.4. Salinity of produced water
The salinity profiles shown in Fig. 14 indicate the increasing

produced water salinity. This is because at the beginning the
Fig. 13. Water production profiles for the base case (Case 2.4) with 0-day shut-in, 7-day s
recovery (cumulative water production/total water injection).
produced water comprises mainly the injected fluid which contains
low-salinity water as the injected fluid flushes the formation brine
inside the fractures away from the hydraulic fracture. Later, the
formation fluid flows to the well and mixes with the injected water,
thus increasing the produced water salinity. A mixing process oc-
curs during the shut-in period and causes the slight increase in the
salinity of produced water at the beginning of the production
period after well shut-in.
7.3.5. Effects of wettability
Wettability has a significant impact on shale matrix imbibition.

High-capillary pressure in water-wet rocks imbibes the filtrate into
shale matrix and reduces the water saturation in the fractures,
during the well shut-in. As a result, the gas flow rate increases,
Fig. 15. On the other hand, oil-wet rocks cannot imbibe the filtrate.
Thus, water saturation in the fractures is still high even after 30-day
shut-in and no gas flow rate improvement is observed.
hut-in, 15 shut-in, and 30-day shut-in: (a) water production rate and (b) load water



Fig. 15. Production profiles with 15-day shut-in for water-wet, mixed-wet, and oil-wet rocks: (a) gas production rate and (b) load water recovery.

P. Fakcharoenphol et al. / Journal of Natural Gas Science and Engineering 32 (2016) 109e121 119
7.3.6. Effects of gravity, capillarity, and osmoticity
Fig. 16 shows the separated effects of gravity, capillarity and

osmoticity on gas flow-rate and load water recovery with 15-day
shut-in period in mixed-wet rocks. Osmoticity and capillarity
have positive effects on the gas production and also reduces the
load water recovery. This, in turn, indicates that both forces induce
more filtrate to enter the shale matrix as discussed in the previous
sections. Osmotic effect seems to have more significant effect than
that of capillarity; but, gravity has minimal effect on both the gas
flow rate and the load water recovery.

7.3.7. Effects of osmotic pressure in water- and oil-wet rocks
The effects of osmoticity in water-wet and oil-wet rocks on gas

flow rate are plotted in Fig. 17. In both cases, osmotic pressure
improves gas flow rate after well shut-in. This is because osmotic
pressure is induced by salinity contrast between the fractures and
the shale matrix. Thus, wettability does not impact the fracture-
matrix mass transfer induced by the pressure.

7.3.8. Effects of osmotic efficiency
Fig. 18 shows the effects of osmotic efficiency on gas flow rate
Fig. 16. Production profiles in mixed-wet rocks, with 15-day shut-in for separated effect of
and load water recovery after 15-day shut-in. Increasing the os-
motic efficiency helps improve gas flow rate after shut-in as it
magnifies the effect of osmotic pressure. The minimal osmotic ef-
fect is shown with 1\% efficiency.

8. Discussions

The simulation results replicate the field observation
(Figs. 12e14) and provide the physical mechanisms controlling gas
and water flow rates after well shut-in. This simulation is per-
formed under the assumption that no fluid rock chemical interac-
tion. In high-smectite formations, clay swelling effect could cause
damage by reducing fracture permeability. In practice, some sur-
factants are added to avoid the damage.

8.1. Effects of well shut-In

During hydraulic fracture stimulation, fracturing fluid injected
into shale formations can occupy pore space inside the natural
fractures and block the fluid flow paths. These fractures are vital to
production in providing high-permeability flow paths from the
gravity, capillarity, and osmoticity: (a) gas production rate and (b) load water recovery.



Fig. 17. Comparison of gas flow rate profiles between with and without osmotic effect with 15-day shut-in for: (a) water-wet and (b) oil-wet rocks.
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tight shale matrix into microfractures, hydraulic fractures and
eventually into the wellbore.

Well shut-in after a hydraulic fracturing treatment can increase
gas and reduce water flow rates if (1) the inorganic shale matrix is
water-wet or mixed-wet rock or (2) osmotic efficiency is more than
1\%. This is because capillary pressure (positive value in water-wet
and mixed-wet rocks) and osmotic pressure help imbibe the frac-
turing fluid filtrate into shale matrix, thus reducing water and
increasing gas saturations in the fractures which leads to higher gas
and lower water flow rates. The effect on gas flow rate only last for
about amonthwithout impact on the long-term production. On the
other hand, the shut-inwill not affect gas andwater flow rates if the
inorganic shale matrix is oil-wet rock and osmotic efficiency is
lower than 1%.

8.2. Effects of wettability and capillary pressure

Rock wettability plays an important role controlling water
imbibition. Water-wet and mixed-wet rocks have positive capillary
pressure which can induce water imbibition from the fractures to
Fig. 18. Production profiles in mixed-wet rocks, with 15-day shut-in for var
shale matrix, thus reducing water saturation inside the fractures. In
contrast, zero or negative capillary pressure in oil-wet rock does
not imbibe water. As a result, the filtrate stays inside the fractures.
8.3. Effects of osmotic pressure

The effects of osmotic pressure on gas and water flow rates after
well shut-in is demonstrated in Figs. 16 and 18. The pressure can
induce the flow of low-salinity fracturing fluid inside the fractures
into the shale matrix containing high-salinity formation brine. The
effect takes place not only in the water-wet but also in the oil-wet
rocks where water is not imbibed by capillary force, Fig. 17.

However, the observed increase in gas flow rate can be satis-
factorily explained by the variation in the rock wettability and
capillary pressurewithout osmotic pressure; and osmotic efficiency
in multi-phase systems is not well-understood as no experimental
data is available. Thus, experiments to measure osmotic pressure
and efficiency in multi-phase systems, shale formations are
required to confirm the findings.
ious osmotic efficiencies: (a) gas flow rate and (b) load water recovery.
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9. Conclusions

In this paper, we report the development of a mathematical
model to include gravity, capillary, and osmotic pressure effects in a
triple-porosity system for organic-rich shale formations. We con-
ducted the numerical experiments to investigate the effect of the
post-fracturing long shut-in periods on the initial gas production
rate and fracturing fluid recovery. The following conclusion can be
drawn from the simulation results:

1. We have been able to simulate the effect of shut-in of newly
created hydraulic fractures on increased production of gas in
organic-rich shale reservoirs. The results are similar with field
data reported in literature.

2. Well shut-in after a hydraulic fracturing treatment can increase
gas and reduce water flow rates if (1) the inorganic shale matrix
is water-wet or mixed-wet rock or (2) osmotic efficiency is more
than 1%. However, the effects do not last very long and may not
impact long-term production.

3. Capillary and osmotic pressures cause the fracturing fluid
filtrate to enter shale matrix during the well shut-in. As a result,
the water saturation in the fractures becomes smaller which
increases gas flow rate.

4. The effect of osmotic pressure on accelerating fracture-matrix
mass transfer takes place not only in the water-wet but also in
the oil-wet rocks, where water is not imbibed by capillary force.

5. Gravity has minimal effect on the filtrate imbibition during the
well shut-in because natural fractures and shale matrix are very
tight.
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Nomenclature

aI water activity of system I, dimensionless
c compressibility, 1/psi
C salt concentration, ppm
D depth, ft
Eop osmotic efficiency, dimensionless
Df/m diffusion coefficient between fracture and matrix, ft2/day
k permeability, md
p pressure, psibq sink/source term, 1/day
R gas constant, equal to 0.082 atm. (mol K)�1

t time, day
T temperature, K
V molar volume, l/mol

Greek letter
f porosity, fraction
g fluid gradient, psi/ft
l mobility, 1/cp
m viscosity, cp
p osmotic pressure, psi
t transfer function, 1/day
s shape factor, 1/ft2

Subscript
eff effective
f fracture
f/m1 between fracture and inorganic matrix
f/m2 between fracture and organic matrix
g gas phase
m1/m2 between inorganic and organic matrices
m1, m2 inorganic and organic matrices
p pressure term
t total phase
w water phase
p osmotic pressure term

Superscript
p induced by pressure
p induced by osmotic pressure
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